There have been a number of somehow contradictory reports in the literature on the effect of temperature on oil and water relative permeabilities. Although some authors have reported the dependence of relative permeability curves on temperature, others have attributed these dependencies to artifacts inherent in unsteady-state method of relative permeability measurement. In order to further investigate the impact of temperature changes on the relative permeability data, we have conducted laboratory core flooding experiments on heavy oil systems. The porous media used was glass bead packs, and the Athabasca type bitumen with varying viscosities was displaced by hot water. The history matching technique was conducted on production and pressure differential data to get the relative permeability curves.
parameter is relative permeability. Relative permeability is the ratio of the effective permeability of a fluid at a given saturation to that at 100% saturation (Amyx, 1960) . Wettability changes resulted from temperature increase, have an impact on the relative permeability. Viscosity is also governed by temperature, and will have important effects on the relative permeability. There are generally two methods of measuring relative permeabilities, namely steady state and unsteady state methods. Both methods have been used in the literature to study the effect of temperature on the relative permeability curves. Looking back in to the literature we can find some contradictory reports on the effect of temperature on the relative permeability (k r ) curves. Some authors have reported an increase in the irreducible water saturation (S wi ) and a decrease in residual oil saturation (S or ) as the temperature of the system increases. This shift in the saturations results in some changes in the value of k r as well. There are some reports showing that the value of oil relative permeability (k ro ) increases while the value of water relative permeability (k rw ) decreases at higher temperatures. The effect of temperature on the end point saturations (S wi and S or ) has been reported by several authors (Edmondson, 1965; Combarnous & Pavan, 1968; Poston et al., 1970; Sinnokrot, 1971; Lo & Mungan, 1973; Weinbrandt et al., 1975; Abasov et al., 1976; Maini & Batycky, 1985; Torabzadeh & Handy, 1984; Bennion et al., 1985) . All these authors except Combarnous and Pavan (1968) have also reported the change of k r curves with temperature. Davidson (1969) has indicated the effect of temperature on the relative permeability, while not mentioning anything about the end point saturations. Maini and Okazawa (1987) have considered fixed end point saturations and have confirmed the change in k r values with temperature. Schembre et al. (2006) have proposed that the rock becomes more water wet at higher temperatures and that affects the relative permeability curves. On the other hand, there are some results published in the literature confirming no effect of temperature neither on the relative permeability nor on the end point saturations (Wilson, 1956; Sufi et al., 1982; Miller & Ramey, 1985) . The two latter have concluded that the previously reported temperature dependant behaviors of relative permeability and residual saturations might have been affected by viscous instabilities, capillary end effects and / or difficulties in maintaining material balance (Polikar et al., 1990) .
Besides these variations in the reported results, there are very few experimental studies specifically done on bitumen reservoirs of Alberta. Poston et al. (1970) worked on very viscous oils and reported the changes of both residual saturations and relative permeability values. Maini and Batycky (1985) have also conducted their experiments on heavy oil and indicated the variations with temperature except for the k rw . Polikar et al. (1990) worked specifically with Athabasca type bitumen and proposed no dependency on temperature. Sedaee Sola et al. (2007) have performed some experiments using heavy oil and reported dependencies on temperature.
Researchers have used both mineral and crude oil in their studies. Some studies have been done on consolidated core samples while others have used unconsolidated material like sand packs or glass beads. These variations in the experimental conditions have resulted in different and even contradictory results. This implies that the actual effect of temperature on flow behavior of fluids in the rock is case specific.
Due to the contradictory reports and conclusions, which are because of variation in the systems being tested, it seemed necessary to conduct our own core flooding experiments and investigate the dependency of relative permeability curves on temperature. The objective was accomplished by performing core flooding experiments, displacing heavy oil by hot water at different temperatures and using oils with varying viscosities. The production curves and pressure differential data in each experiment were history matched to get the oil and water relative permeabilities.
Relative Permeability Calculation Method
There are generally two methods of relative permeability measurement in the oil industry, namely steady-state and unsteady-state. In steady-state technique, a fixed ratio of two immiscible fluids are mixed and injected simultaneously into the porous media until saturation and pressure equilibria are reached. A faster method is unsteady-state technique, which is based on the displacement of one fluid phase by another immiscible fluid phase (Honarpour et al., 1986) . In this study we only conduct unsteady-state or displacement method. Relative permeabilities can be calculated from recorded production and pressure differential data of a displacement test. This can be done by either explicit or implicit calculation. The explicit methods mostly used are the JBN (Johnson, Bossler, & Naumann) technique (Johnson et al., 1959) and its modified version by Jones and Roszelle (1978) . The implicit method or history matching is, however, based on numerical calculation. The relative permeability parameters are adjusted to match the production and pressure differential data from core flooding experiments (Wang et al., 2006) . The history matching of data was done using a core flooding simulator called Sendra. This software is a two-phase 1D black-oil simulation model used for analyzing SCAL (special core analysis) experiments. It is tailor made for revealing relative permeability and capillary pressure from two-phase and multi-phase flow experiments performed in the SCAL laboratory (Sendra user guide, 2012) . This software acts as both a core flooding simulator and a history matching tool. Through history matching function, one can match the experimental data by adjusting the relative permeability curves. This is done by choosing the appropriate relative permeability correlation in the simulator. The software is then varying the empirical parameters in the function trying to match the experimental data. For the estimation method used in Sendra, refer to the software manual (Sendra user guide, 2012). There are several relative permeability correlations included in this simulator. Below is a review of these correlations. The normalized water saturation is used in all correlations:
For simplicity, the formulations are given for oil-water systems; however they behave similar for oil-gas and water-gas systems (Sendra user guide, 2012). (Burdine, 1953)  
Burdine Correlation
2. 2 Corey Correlation (Corey, 1954) (Sigmund & McCaffery, 1979) 
Sigmund & McCaffery Correlation
2. 4 Chierici Correlation (Chierici, 1984) 
2.5 LET Correlation (Lomeland et al., 2005) 
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Porous Media and Packing Procedure
The porous media used was unconsolidated glass beads. Glass beads of different size were packed inside a rubber sleeve. Two metal screens were placed on the top and bottom of the packed media inside the sleeve and in contact with end caps of core holder. These screens were used to obviously prevent the production or any movement of glass beads and at the same time evenly distribute the fluid at the injection port. The rubber sleeve was installed on the inlet end cap, and the metal screen was placed inside and in contact with the end cap face. They were then placed on an electric shaker. While the shaker was running the glass beads were poured using a funnel until having a pack of desired length. The same packing procedure was always used to make sure we have a homogeneous medium. The diameter of the pack was 3.8 cm and the length was 21 cm.
Procedure
The packed porous media was installed inside the core holder. After providing the overburden pressure of 25 bars, the packed porous media was saturated with distilled water using a vacuum pump. The porosity of the pack was calculated by doing a material balance on the amount of water left and knowing the exact value of the dead volume of lines connected to the core. The absolute permeability of the packed core was measured vertically using an accurate pressure transducer with an operational range of 0-3 bars. The core holder was then placed inside the oven in horizontal position, and water injection was performed until reaching the desired temperature and pressure inside the core. In the next step, oil was injected at a rate of 0.5 cc/min to initialize the core and calculate the initial water saturation (S wi ). Oil injection was continued at S wi to measure effective oil permeability. After initializing the core, the separator was connected and the imbibitions process was initiated by injecting water at a rate of 0.8 cc/min. This rate was even less than 1 PV/h as recommended by Polikar et al. (1990) . During the water injection phase, the oil production was recorded versus time, and the pressure differential across the core was monitored as well. The water injection was continued for almost 20 hours. After the experiment, the separator was disconnected and held at a temperature of 40°C for a few days in order for the oil/water meniscus to be separated completely and any possible adjustment to the final oil recovery.
Oil Preparation and Viscosity Measurement
The type of oil used in this study was a blend of Athabasca bitumen and n-dodecane. The bitumen sample used is obtained from an oil sand reservoir in Athabasca region, produced using SAGD method. The sample has not been exposed to any solvent and the condensed water produced together with the bitumen has been removed at high temperature. The viscosity, density, molecular weight and some other PVT properties of Athabasca bitumen were measured as highlighted in Ashrafi et al. (2011) . Bitumen was added to n-dodecane in known amounts, and the mixture was stirred on a magnetic stirrer. Two types of oil were prepared by mixing bitumen with 10% n-C 12 added and 20% n-C 12 added on a mass basis. These oils are referred to as OIL10 and OIL20. The properties of bitumen and these two oils are shown in Table 1 . The viscosities of these two oils are also measured using a digital rotational viscometer as done for Athabasca bitumen (Ashrafi et al., 2011) . The viscosity measurements were done in 10 °C intervals, allowing sufficient time at each temperature step to have a reasonable viscosity reading. For pure Athabasca bitumen the measurements were done from room temperature up to 300 °C. While for OIL10 and OIL20, the measurements were done up to 70 °C and extrapolated for higher temperature values. This was due to the possibility of n-dodecane evaporation at higher temperatures. The extrapolation was done using an empirical equation for the viscosity of gas free Athabasca bitumen presented by Khan et al. (1984) . This equation is as follows:
In this equation μ is dynamic viscosity of heavy oil sample in "mPa.s" or "cp", at atmospheric pressure and 2012 temperature T (K). The constants c 1 and c 2 are empirical and can be found for each sample using experimental data. They can be determined using the least square parameter estimation technique. The applicability of this equation to our bitumen sample was tested and compared with the data provided by Khan et al. (1984) and Ashrafi et al. (2011) . The values of empirical constants c 1 and c 2 for the bitumen, OIL10 and OIL20 are presented in Table 2 . The viscosity versus temperature curve is also shown in Figure 2 . 
Results and Discussion
The porous media used in this study were artificial core plugs made of glass beads (GB) packed inside the rubber sleeve. Two sizes of glass beads were used, 1 millimeter size and 300-425 micron size beads. The absolute permeabilities of cores were measured by injecting water vertically upwards. The absolute permeability was, however, used as an adjusting parameter in simulations by Sendra to match the experimental pressure drop observed. An overview of experimental parameters is listed in Oil injection rate 0.5 cc/min Different sets of experiments were run on glass bead packs. These flooding experiments were designed to examine the effect of various parameters on flow behavior and relative permeability curves. Table 4 summarizes the experiments performed during this study. As mentioned earlier, the method of relative permeability calculation was history matching the production curve and pressure differential data using Sendra simulator. Different relative permeability correlations were used, and the parameter estimation was done by the software to get the best match. Figure 3 shows the pressure differential match and production curve match for LT experiment at 70°C as an example.
www.ccsen The experiment at 120°C was done twice injecting water at different rates. The effect of injection rate on production curves is revealed in Figure 6 . As seen in this figure the ultimate recovery is almost the same. However, higher injection rate results in faster recovery. Figure 7 compares the relative permeability data for these two experimental runs. The initial water saturation and residual oil saturation values did not change significantly. The relative permeability curves, however, showed injection rate dependency. The values for oil seemed to be increasing while water relative permeability decreased as the injection rate increased. The relative permeability curves obtained for the HT experiments on 1 mm GBs media using OIL10 are shown in Figure 8 with the normalized values on the part (b) of the figure. Note that the values of water relative permeability are magnified for better visibility on Figure 8a . The same experiments, done using glass beads of smaller size as the porous media, have resulted in almost the same set of relative permeability curves. There seems not to exist a unique trend and definite dependency on temperature, as the curves have sometimes increased from one temperature to another and then decreased as the temperature has further been increased. The relative permeability curves obtained for HT experiments on 300-425 micron size GBs using OIL10 are shown on Figure 9 . Part (a) of the figure shows normal plots of relative permeability versus water saturation. In part (b), however, normalized relative permeability values are plotted against normalized water saturation. Part (c) of the figure shows semi-log plots for two temperatures, namely 120°C and 140°C. The increase of initial water saturation (S wi ) versus temperature has been spotted generally, although not present in all the experimental results. We believe in those experiments we might have been inside the experimental error margin. But generally the increase in S wi as the temperature increases is expected, as the oil viscosity drops much more than water viscosity. As the result the viscosity ratio of water to oil increases and will result in an unfavorable displacement of water by oil during initialization of core. During the water flooding of oil saturated core, the same interpretation should apply regarding the residual oil saturation (S or ). As the temperature increases the viscosity ratio of oil to water drops, and this results in a more favorable mobility ratio and S or is expected to decrease. However, this was not the case in some of the experiments. We think this could have happened due to viscous instabilities and possible viscous fingering in core flooding experiments. Viscous fingering seems to be inevitable in such an adverse mobility ratio condition, even at low injection rates.
As per the effect of temperature on relative permeability curves, we were not able to determine a unique trend in our experimental results. Dependency of either oil or water relative permeability on temperature is not justified in any of the experiments performed. The spread in relative permeability variation by temperature is even more adverse in the tests with higher permeable GBs (1 mm size). This further suggests that the variations seen can be attributed to viscous instabilities. This has also been reported by several authors. Sufi et al. (1982) and Miller and Ramey (1985) have concluded that the variations in relative permeability with temperature are probably not related to fundamental flow properties and they are rather related to experimental artifacts. Polikar et al. (1990) also stated that it is not possible to predict theoretically what the effect of temperature on relative permeabilities could be, and the results are system specific. Maini and Okazawa (1987) have also concluded that due to several artifacts involved in the experiments no effect of temperature could be justified.
Conclusions
In this work, laboratory core flooding experiments were conducted on Athabasca type oil with varying viscosities and using glass bead packs of different size as the porous media. Our aim was to investigate any possible effect of temperature on the oil and water relative permeability curves during imbibitions of water in the cores. For this purpose the oil production curves and the pressure drop across the core were history matched using Sendra core flooding simulator. This simulator acts as an optimization tool to help adjust the relative permeability correlation parameters and come up with the best curves that can match the laboratory measured data. The following conclusions can be drawn from this experimental investigation.
1) The increase of initial water saturation (S wi ) versus temperature has been spotted generally, although not present in all the experimental results. We believe in those experiments we might have been inside the experimental error margin. 2) The decrease in residual oil saturation (S or ) versus temperature has been observed. However, this was not the case in some of the experiments. We think this could have happened due to viscous instabilities and possible viscous fingering in core flooding experiments.
3) No dependency of either oil or water relative permeability on temperature is justified in any of the experiments performed. Not a unique increasing or decreasing trend could be seen versus the temperature. The spread in relative permeability variation by temperature is even more adverse in the higher permeable tests. This further suggests that the variations seen can be attributed to viscous instabilities.
4) The changes seen in relative permeability curves at different temperatures are probably more related to experimental artifacts and fingering issues than fundamental flow properties. We should, however, mention that the conclusions drawn cannot apply in general, and the temperature dependency issue is quite case specific.
